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ECONOMIC ANALYSIS 

A. Background and Approach 

1.  The project is designed to increase electricity transmission and distribution capacity, 
reduce losses, and enhance supply security and reliability in seven central and southern states 
and regions of Myanmar. The transmission component involves construction of a 230-kilovolt (kV) 
transmission line between Yangon’s Ahlone substation and a new substation at Thida. This 
subproject will form part of a future transmission ring around Yangon city and is designed to 
improve supply security in Yangon and add 600 megavolt-amperes (MVA) of 230/66/11 kV 
substation capacity, providing 3,097 gigawatt-hours (GWh) of incremental grid consumption in the 
with-project scenario by 2034. The second subproject will extend Myanmar’s 230 kV transmission 
network into the Tanintharyi region in the country’s south by way of a 290-kilometer (km), 230 kV 
transmission line from the Mawlamyine substation to new 100 MVA 230/66/11 kV substations at 
Ye and Dawei. This will provide for 962 GWh of incremental grid consumption by 2030 in the with-
project scenario. 
 
2.  The project’s distribution component will increase the capacity of the 66 kV and 33 kV 
distribution networks of Myanmar’s Electricity Supply Enterprise (ESE) to meet forecast demand 
growth and improve system reliability and technical performance in 5 of the 13 regions supplied 
by ESE. The project will add about 400 MVA of new 66 kV and 33 kV substation capacity, plus 
about 600 km of new 66 kV and 220 km of new 33 kV overhead lines, providing 1,981 GWh of 
incremental sales in the with-project scenario 
 
3. The economic evaluation of the proposed project was carried out in accordance with the 
Asian Development Bank (ADB) guidelines for appraisal of projects.1 The analysis considered 
the project’s transmission and distribution separately and together, comparing economic internal 
rates of return (EIRRs) against an assumed hurdle rate of 9%. 
 
B. Demand Forecast 

4. The government’s 2014 National Electricity Master Plan forecasts annual growth rates of 
10%–13% in electricity consumption from 2012 to 2030, resulting energy demand of 50,000–
80,000 GWh in 2030. Peak demand is expect to be 9,000–14,500 MW (compared with peak 
demand of 2,672 MW during FY2016).2 The Myanmar Energy Master Plan3 predicted 57,000 
GWh and 9,500 MW of electricity demand by 2030 in its medium growth scenario, assuming 87% 
household electrification by 2030 (footnote 2). This economic analysis adopted the ESE’s demand 
forecast, which is based on the Energy Master Plan. Sensitivities to forecast growth assumptions 
were tested. 
 
C. Least-Cost Analysis 

5. The National Electricity Master Plan included the southward 230 kV extension to connect 
the Tanintharyi region to the grid, confirming its inclusion in the least-cost expansion plan. This 
grid extension is high in levelized cost terms at MK8.8 per kilowatt-hour (kWh) because load 
densities are low and forecast demand growth is moderate. Nevertheless, this is still significantly 
                                                
1  ADB. 2017. Guidelines for Economic Analysis of Projects. Manila; and ADB. 2013. Cost–Benefit Analysis for 

Development: A Practical Guide. Manila. 
2 Japan International Cooperation Agency. 2014. The Project for Formulation of the National Electricity Master Plan in 

the Republic of the Union of Myanmar—Final Report Summary. Yangon. 
3 ADB. 2015. Myanmar Energy Master Plan. Consultant’s report. Manila. (TA 8356-MYA) 

https://www.adb.org/projects/documents/mya-46389-001-tacr-2 
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less expensive than increasing local generation from small diesel- or gas-fired generators. The 
completion of a 230 kV transmission ring provides appropriate supply security for a major 
commercial and economic center such as Yangon at lower cost and with greater flexibility than 
alternatives, such as express distribution feeders or embedded generation. The route for the 
Ahlone–Thida line was selected to avoid the extensive use of expensive underground cable 
circuits. This 230 kV line is also included in the 2014 National Electricity Master Plan. 
 
6.  The project’s distribution component has been designed to provide sub-transmission (66 
kV and 33 kV) substation capacity to meet expected demand growth and to reduce network losses 
from suboptimal network configuration and long 11 kV and low-voltage feeders. The proposed 
network topology and designs are efficient and reflect least-cost planning principles. The 
investment is significantly less expensive than meeting forecast demand growth through local, 
small-scale generation—an economic levelized cost of about MK10.4 per kWh for the proposed 
investments plus a long-run marginal cost (LRMC) of grid-scale generation of MK119 per kWh, 
compared with an economic levelized cost of about MK250 per kWh for small diesel generators.  
 
D. Project Economic Benefits 

7. Quantification of benefits. The Yangon city transmission subproject will add 600 MVA of 
transmission substation capacity in the with-project scenario. By 2034, the new substation 
capacity is expected to be fully utilized (the load factor would be about 70%), providing 3,097 
GWh of incremental grid consumption.4 The Tanintharyi transmission subproject will provide 200 
MVA of incremental transmission capacity to Ye and Dawei in the with-project scenario, both of 
which are currently supplied using local small-scale generators and 11kV and 0.4kV distribution. 
By 2030, this new substation capacity is expected to be fully utilized (the load factor would be 
about 70%), providing 962 GWh of incremental grid consumption in the with-project scenario.5 
Most of this consumption is incremental output, meaning it is demand that would remain unserved 
in the without-project scenario. However, given the large installed captive generation base, the 
increase in incremental supply capacity is expected to result in some resource cost saving 
resulting from the displacement of self-generation (i.e., in the without-project case, some demand 
for electricity that cannot be met from the grid would be met through the use of alternative energy 
sources). The extent to which demand would be met from alternative sources in the without-
project scenario (resulting in non-incremental output for the project) was estimated for each major 
consumer type: 10% for domestic consumers (10% of demand in the with-project scenario), 10% 
for commercial consumers, 30% for industrial consumers, and 18% on a weighted average basis. 
 
8. The project’s distribution component will add about 400 MVA of incremental primary 
substation capacity to ESE’s network. This capacity will allow ESE to meet forecast demand 
growth in the supply areas where the load would be curtailed in the without-project case as 
substation and line capacity is exceeded. By 2034, the new substation capacity is expected to be 
almost fully utilized, providing 1,981 GWh of incremental sales.6 The split between incremental 
and non-incremental output was estimated on the same basis as for the transmission component 
(para 7) albeit with a higher non-incremental allocation of 20% of total output. 
 

                                                
4 600 MVA of new substation capacity multiplied by power factor (0.92), load factor (0.7), and hours per year (8,760), 

giving 3,385 GWh per year and then adjusting for downstream losses of about 11 kV and 0.4 kV losses of about 9%. 
5 200 MVA of new substation capacity multiplied by power factor (0.92), load factor (0.7), and hours per year (8,760), 

giving 1,128 GWh per year and then adjusting for downstream losses of around 11 kV and 0.4 kV losses of around 
9%. 

6 400 MVA of new substation capacity multiplied by power factor (0.92), load factor (0.7), and hours per year (8,760), 
giving 2,256 GWh per year before adjusting for 11 kV and 0.4 kV losses of around 13%. 
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9. Overall, 66 kV, 33 kV and 11 kV losses on the affected parts of ESE’s network (that is, 
areas impacted by the project) were estimated to fall from a reported 7% to about 2%. On a 
weighted average basis across all supply in the project areas, this conservatively represents loss 
reduction of about 1.9 percentage points (69 GWh in 2026, increasing to 85 GWh by 2034). The 
analysis assumed that this loss reduction would result in a drop in generation and therefore a 
resource cost saving.  
 
10. Valuation of benefits. The non-incremental output (a total of 1,127 GWh by 2034) was 
valued at the estimated fuel cost of kerosene lamps for lighting (domestic consumers) and from 
small diesel-fueled generating sets. Fuel was valued using the World Bank’s projections for 
international crude oil prices, converted to border price equivalent values for kerosene and diesel 
fuels.7 These prices were then shadow-priced, giving an economic cost (in 2026, the first year of 
expected output from the distribution component) of MK668 per kWh for domestic consumers and 
about MK323 per kWh for other consumers. 
 
11. Incremental consumption (a total of 4,913 GWh by 2034) was valued by willingness to pay 
(WTP). WTP was estimated separately for electricity consumers already connected to the grid 
and consumers that will be connected through the project. For consumers already connected to 
the grid, the average unit cost of energy in the without-project case was estimated based on the 
total cost paid for alternative energy sources and electricity from the grid at nominal 2017 levels. 
The average unit cost of energy in the with-project case was taken as expected average consumer 
tariffs set at nominal 2017 tariff levels. For simplicity, a linear demand function was assumed, 
resulting in an average WTP for existing grid customers. For newly connected consumers, WTP 
was estimated as the average of the financial cost of alternative energy sources and 2017 
consumer tariffs. These consumers were assumed to consume half as much as existing 
customers. Table 1 shows the estimated WTP. 
 
12. The total emissions reduction against the baseline over the 25-year evaluation period was 
estimated at 8.646 million ton of carbon dioxides ( tCO2  ) for the transmission component and 
4.919 million tCO2 for the distribution component. These emissions reductions were valued 
assuming a (2017 real) price of $36.33 per tCO2.

8
  The supply cost modeled for incremental output 

included the cost of emissions, reflecting that the project will result in an absolute increase in 
emissions when compared to the without-project scenario. 
 
E. Project Economic Costs 

13. Project costs were provided by ESE and the Department of Power Transmission and 
System Control, the two implementing agencies for the project. All capital costs except for internal 
overhead cost allocations were included (computerized asset management and billing systems 
were also included even though no benefits were ascribed to them). Cost estimates were 
formulated based on recent bid prices and reflect the fourth quarter 2017 price level. Cost 
components were broken down into the following broad categories: equipment, civil works and 
construction, land, preparatory work, external project management, and environmental and social 
mitigation. The domestic price numeraire was used. Traded inputs and fuel were valued at their 
border price equivalent values and then adjusted to the domestic price numeraire by multiplying 
by a shadow exchange rate factor of 1.1. This was based on the values for shadow exchange 
rate factors used in other recently approved projects in Myanmar.9 The analysis assumed that no 
                                                
7 World Bank. 2017. Commodity Markets Outlook. Washington, DC. October 2017 update.  
8 When the benefits of emissions reductions are not accounted, this value is set to zero. 
9 ADB. 2015. Report and Recommendation of the President to the Board of Directors: Proposed Loan to the Republic 

of the Union of Myanmar for the Power Transmission Improvement Project. Manila (Loan 3330-MYA). 
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significant distortions in the wage rates for local skilled labor apply. For unskilled labor, 
underemployment exists in the economy, and a shadow wage rate of 0.75 was adopted based on 
values for shadow wage rates used in other recently approved projects in Myanmar. As land is a 
minor component of cost, its estimated market (financial) cost was adopted as its economic value. 
Based on international benchmarks and the typical benchmarks set by jurisdictional regulators, 
average incremental operations and maintenance were assumed to average 2.5% of capital costs 
(applicable to in-service facilities, with operation and maintenance during construction assumed 
to be included in the capital costs).  
 
14. Cost of generation. The Myanmar Energy Master Plan estimated the LRMC of 
generation at $0.0718 per kWh for its base-case generation expansion plan. Adding the cost of 
carbon dioxide (CO2) emissions to this LRMC estimate (at $36.6 per ton of CO2) and adjusting to 
2017 terms provides an indicated LRMC of $0.088 per kWh. For the purposes of this analysis, a 
value of MK119 per kWh was adopted as a proxy for the average cost of supply to the 
transmission network. However, the cost of CO2 emissions was calculated explicitly for project’s 
non-incremental output (for the purposes of identifying emissions reductions). The LRMC of the 
transmission system, as estimated in the Myanmar Energy Master Plan, was also included as a 
cost for the distribution subproject.  
 
15. Cost of transmission and distribution. Some downstream (66 kV, 11 kV, and 0.4 kV) 
investment will be required to distribute this electricity for the transmission component. Based on 
typical ratios of capital expenditure on transmission versus high-, medium-, and low-voltage 
distribution, and in the context the condition and capacity of the downstream networks in the 
project areas, an additional capital expenditure allowance of 75% of subproject capital costs was 
made. A similar allowance (40% of subproject capital costs) was made for reinforcement of 11 kV 
and 0.4 kV networks for the distribution component. An additional allowance of 10% of the cost 
of the transmission component was made for connecting new customers in the Tanintharyi region 
and of 60% of the distribution component capital cost for connecting new customers in the states 
and regions covered by the distribution component. Sensitivity to these assumptions was tested 
because of their inherent uncertainty. 
 
F. Economic Internal Rate of Return and Sensitivity Analysis 
 
16. Investment was assumed to take place during 2019–2025. Benefits are assumed to be 
realized from 2026 and a period of 25 years from commissioning was used for the economic 
evaluation. Asset residual value makes negligible difference and was ignored for the evaluation. 
The EIRR is estimated at 19.7% for the transmission component, 13.1% for the distribution 
component, and 17.7% for the aggregate project. Based on this analysis, the project investment 
is economically viable. From both the cost and benefit sides, risks that the project does not 
achieve satisfactory economic returns were identified. Downside scenarios were also tested in 
relation to assumed benefits, capital cost, operation and maintenance costs, electricity purchase 
costs, demand growth, and commissioning delays without accounting for the values of GHG 
emission reductions. For each of the risks identified, the sensitivity of the project EIRR was tested 
and switching values were calculated.10 The sensitivity results are in Table 2. The EIRR exceeds 
the required 9% for all contingencies examined.  
 

                                                
 
10 A switching value measures the percentage change in the variable required to reduce the EIRR to the assumed 

hurdle rate.  
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Table 1: Summary of Project Economic Benefits  
Item Units 2026 2027 2028 2029 2030 2050         
Benefit Quantification 
A. Incremental demand met from increased grid 
substation capacity 

     

Incremental substation capacity MW  1,203  1,203   1,203  1,203   1,203  1,203  
Incremental demand met from the 
grid GWh  1,350  1,983   2,753  3,641   4,430  6,044  

Incremental output GWh  1,096  1,611   2,238  2,960   3,603  4,916  
Non-incremental output GWh  254   372   515   680   827  1,128  
B. Incremental demand served / generation saved because of loss 
reduction on distribution feeders 

   

Technical loss reduction GWh  68.8   73.6   76.3   79.0   80.8   85.1  
Incremental output GWh  0   0   0   0   0   0  
Non-incremental output GWh  68.8   73.6   76.3   79.0   80.8   85.1  
C. Totals        
Incremental output GWh 1,096.1  1,611.1  2,238.0  2,960.4  3,603.2  4,916.3  
Non-incremental output GWh  322.5   445.7   591.7   759.2   908.1  1,213.2  
Benefit Valuation 
A. Incremental output      
  WTP (weighted average) MK/kWh  96.2   100.9   106.5   111.2   111.4   110.8  
B. Non-Incremental output       
  Consumer's resource cost saving MK/kWh  402.6   402.6   402.6   402.6   402.6   402.6  
  Avoided grid generation MK/kWh  107.0   107.0   107.0   107.0   107.0   107.0  
  Weighted average MK/kWh  350.1   365.5   377.4   385.8   390.6   396.7  
Value of Benefits 
Incremental output MK bn  129.9   200.1   293.3   405.0   493.5   669.5  
Non-incremental output MK bn  112.9   162.9   223.3   292.9   354.7   481.2  

bn = billion, GWh = gigawatt-hour, kWh = kilowatt-hour, WTP = willingness to pay 
Source: Asian Development Bank staff estimates. 

 
Table 2: Sensitivity Analysis 

Sensitivity Parameter     Variation EIRR (%) Switching 
Value (%)  

Base case    17.7  
1. Project capital cost increase   20% 16.7 164.9 
2. Related capital cost increasea   50% 15.6 210.2 
3. Willingness to pay reduction   (10%) 15.2 (34.5) 
4. Alternative energy prices reduced   (25%) 11.0 (32.7) 
5. O&M increase   20% 17.5 919.4 
6. Delay   1 year 16.2 -n.a 
7. Lower-than-forecast demand growthb 

  
(25%) 16.5  

8 Zero value of GHG emission   100% 16.6  
( ) = negative, EIRR = economic internal rate of return, GHG = greenhouse gas, O&M = operation and maintenance. n.a 
= not applicable. 
a  Capital expenditure required on downstream networks and consumers connections that is not included in the project. 
b  The assumed rate of demand growth was reduced by 25% (about 2.5 percentage points) for this scenario. 
Source: Asian Development Bank staff estimates.  


